This paper describes the reservoir flow simulation study of the Namorado Sandstone, Albacora Field (offshore Brazil). This study is the end point activity − to which the geological description, geostatistical modeling and upscaling results converge − of the project PRAVAP-2, a main project designed to develop technology on reservoir characterization at Petrobras. This paper details work executed by a multidisciplinary team on a flow simulation study performed in a stochastic modeling scenario. We present aspects related to the model construction and the results obtained from the flow simulation study.
Introduction
The Albacora Field, discovered in 1984, is located in northern Campos Basin, offshore Brazil. One of its reservoirs is the Upper Albian Namorado Sandstone. This reservoir has been producing by natural drive mechanisms since 1987. Six wells currently produce the reservoir fluids.
A major multidisciplinary reservoir characterization project termed PRAVAP-2 has been in progress on the Albacora Field 1, 2 . The objective of the project was to improve the existing reservoir description using all available data, and to build and history match a new 3-D flow model using this updated, detailed reservoir description. As a result the project lead to an improved understanding of the reservoir characteristics and production behavior, so that forecasts of production for various possible future development schemes could be made to assist in future reservoir development planning and management. This paper focuses on the flow simulation study of the Namorado sandstone reservoir of the Albacora field. It is divided into various sections which describe the grid design, rock and fluid properties, well data, reservoir production performance through the history period (to march, 1998) and the development scenarios studied which considered the introduction of additional wells and a water injection project for maintenance of reservoir pressure.
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Geologic Summary
The Namorado turbidite reservoirs from the Albacora field are composed of massive, fine-to very fine-grained clean sandstones, confined to a tectonically induced depression of Albian age in the slope of Campos Basin, and comprise two main turbidite successions 1, 3 : the uppermost succession (Namorado I) is 0-12 m thick, and the lowermost succession (Namorado II), the main reservoir section, is 28-107 m thick. These sand-rich successions are separated by a 11-17 m thick succession of diamictites, calcilutites, marls and shales. Thin (<3,4 m) non-reservoir beds are commonly interbedded with sandstones of Namorado II. Three thin deterministic nonreservoir layers within Namorado II (B, C and D beds) can be recognized in logs.
The reservoir is a mainly domed structure with the oil accumulation being bounded by normal faults on the eastern and western flanks and by the oil-water contact in the north and south. These fault throws are up to 300 m. Several other N-S-oriented interior normal faults can also be recognized on seismic data, with smaller throws. The maximum oil column is about 100 meters.
The Namorado reservoir from the Albacora Field is also characterized by intense calcite cementation. At mid-portion and near the top of the reservoir, calcite occurs as thin, elongate, discontinuous concretions, which are not effective barriers to vertical fluid flow. At reservoir base and mainly eastwards, concretions are thick and amalgamated, constituting barriers to both vertical and horizontal fluid flow, thus limiting considerably water influx from the aquifer at the eastern portion of the field. The amount of calcite cement increases considerably (a) bellow B bed, (b) bellow oil-water contact and (c) close to the master fault that bounds the oil accumulation eastwards.
Full Field Reservoir Simulation Model
Grid Design. A model grid system of 70 x 110 x 6 cells was developed for use in simulating the Namorado reservoir. All grid cells are 100 x 100 m 2 in dimension. Including all grid cells which are located inside of the oil-water contact, the area of the reservoir at the top of Namorado II is about 60 km 2 . The grid is oriented south to north, following the direction of the nearly parallel reservoir-bounding and internal faults, and extended areally over the entire reservoir structure to beyond the limit of the oil-water contact in the reservoir. This design provided an efficient model areally, with a small portion of the model devoted to nonessential areas. Fig. 1 shows the areal model grid system as imposed over a base map with current well locations.
The model layering scheme objectives were to preserve the reservoir description properties to the extent possible and to provide sufficient vertical resolution to model vertical fluid distributions accurately during simulation of primary depletion and during forecasting of possible future water injection projects. A design incorporating 6 layers was chosen to represent the reservoir plus the underlying and surrounding aquifer. These layers follow the stratigraphic zonation across the entire field. Therefore, some model layers pinch out and do not extend across the entire model. Layer 1 represented the relatively thin (less than 10 meters in gross thickness) Namorado I. Namorado II, with maximum gross thickness of approximately 130 meters, was divided into 5 model layers (layers 2 through 6), to allow vertical reservoir heterogeneity to be simulated. Many of the cells in the model grid beyond the oil-water contact were made inactive or dead and had no influence on simulated model performance. They were included in the original system to account for the possibility that increased aquifer support would be needed, but this was not necessary.
Reservoir Data. The flow model must take into account the relevant effects of rock heterogeneities recognized at several scales. Heterogeneities larger than the numerical grid block can be explicitly input into the model. The effect of the smaller heterogeneities must be accounted by a proper upscaling process.
Upscaling of Petrophysical Properties. In scaling properties from the fine scale for input to the full field model, the objective was to preserve as much of the fine scale information as possible. To upscale rock properties it was adopted the geopseudo approach 4 , which is based on (1) a hierarchical description of the reservoir heterogeneities and on (2) the computation of the effective properties bottom-up through this hierarchy.
Three main work scales were defined during reservoir characterization ( Fig. 2) :
Microscopic Scale. Five "porous systems" were identified based on microscopic characteristics like composition, diagenesis, wettability, skin susceptibility, resistivity, petrophysical properties (φ, k, Pc, Kr) and rock physics. Several techniques were used, such as petrologic and image analysis, EMS, RXD and petrophysical analysis.
Log and Core Scale. Six "composite facies" were recognized based on the sedimentary and diagenetic features and on their well log responses. Probe permeametering and outcrops studies were also used. Non-parametric statistics and other integration methods were important for identification of facies groups, and quantification of the mutual relationships among rock, well log and petrophysics.
Interwell to Field Scale. Three "seismic facies" − SF1 (clean sandstone), SF2 (with a combination of concretions and shale), and SF3 (non-reservoir) -were defined based on the acoustic impedance ranges, from seismics calibrated with well data. This facies definition was used both in the geostatistical cellular model and in the flow model. Petrophysical properties were measured or computed for all these facies at all these scales, following a multi-step bottom-up approach. The process began from the plug scale, since the effects of the microscopic features reflect in the rock properties. At this scale, petrophysical properties were directly measured at laboratory from representative plugs for the six porous systems. The next step was to compute the effective properties for the composite facies defined at metric scale. Each composite facies is described by a particular spatial arrangement of plug-scale blocks of each of the six porous systems. These spatial patterns were statistically defined, and representative images were generated by Boolean methods using an in-house software 5 . Porosity for each composite facies was calculated using a pore volume weighting scheme. A single-phase pressure solver technique was used to calculate effective permeabilities in the three directions for the composite facies. Pseudo-functions for relative permeability were obtained assuming that capillary forces are dominant at this scale. The final step was to assign effective properties to the three seismic facies, since this is the scale of the flow simulation gridblocks. Each one of the three seismic facies is modeled as a composition of two composite facies. At this scale, viscous forces are important and the relative permeability pseudo-functions were computed by dynamic methods, post-processing results of local two-phase flow simulations. Porosity for each seismic facies was calculated using a pore volume weighting scheme to honor the pore volume of the equivalent cells in the static model. Seismic Data Incorporation into Geological Model. Seismic data is important to reduce uncertainty on the distribution of reservoir properties between wells. The key point in the methodology is to turn initial seismic data into soft geological constrains.
The geostatistical modeling of the field was constructed with the reservoir thickness from the B horizon to the top, with areal dimensions of 100 x 100 m 2 and constant thickness of 2 ms (seismic time) cells conforming to the reservoir top. There are cements at the C horizon that was superimposed on the final facies model. The top and C surfaces were converted to depth using kriging with seismic information (time and velocity) as external drift. Bounded by these surfaces, the 3-D volume was converted to depth considering a constant velocity inside the reservoir.
The seismic information was incorporated into the stochastic modeling through the geostatistical simulation method known as Markov-Bayes 6 approach, which has the collocated cokriging as a core algorithm. Stochastic seismicconstrained simulations provided possible images of the spatial distribution of the seismic facies inside the reservoir at the fluid-flow simulation scale. A depth image section and a 3-D image of one stochastic realization are shown in Figs. 3 and 4 , respectively.
Several stochastic realizations were simulated by this method. These stochastic models were ranked using three different criteria. The results obtained indicated that a net-togross ratio criterion was adequate for this case. From this, three different images -a conservative, an intermediate, and an optimistic one -were selected as inputs for the flow simulation study. Later, during the history matching phase, the analysis of oil reservoir volume and pressure indicated that the "conservative" image appeared to be the most representative one. Thus, it was chosen to be used at the following steps of the study.
One of the distinguishing features of this study was the tight integration between the geologic, geoestatistical and reservoir engineering sub-teams. The final model was not developed with a serial approach but rather was worked as a collaborative and parallel effort. In this way, geologic insight was better integrated in the methodology to time the reservoir realizations.
Rock Compressibility. The rock compressibility is an important parameter in terms of the model calculated pressure behavior, especially when the reservoir is highly undersaturated as is the case of the Namorado reservoir. Rock compressibility tests were made on selected reservoir core samples. A value of 39.2x10 -6 bar -1 for the average rock compressibility was used in this study.
Initial Fluid Saturations. Pseudo capillary pressure (Pc) curves were developed from log calculated water saturation The results for all wells were combined and then separated into the seismic facies groups and plotted. This plot, Fig. 5 , represents the capillary pressure behavior of the reservoir, and indicates that three water saturation versus depth relationships exist (the SF3 curve is not plotted).
PVT Data. A single set of black oil PVT and water properties was used, based on laboratory measurements. For this reservoir, the oil and water densities are 0.782 and 1.032, respectively, as determined from the fluid PVT data used in this study.
Well Data. A complete well and facility management scheme was developed to model all well, manifold, flow line and processing facility capacities and limitations. A typical well workover scheme and gas lift logic was also included in the reservoir model. Historical oil, water and gas production were updated monthly.
History Matching
The production performance was history matched from the date of initial reservoir production, October, 1987, to the end of March, 1998.
The history matching process involved fine adjustments on the original reservoir characterization described in previous sections, in a manner that enabled an acceptable reproduction of the actual reservoir pressure and production behavior. In the history matching phase of the simulation, field reported average monthly oil production rates for each well were specified, and the simulator calculated the surface water and gas production and reservoir pressure distribution resulting from this production. The simulator program also calculated bottomhole flowing pressures, utilizing input well index parameters, and surface flowing pressures, determined from wellbore hydraulics characterizations.
The history matching dealt mainly with matching (1) the observed pressures measured at all wells at various times during the approximately 10 years of production history and (2) the observed water production, occurring mostly from well V4, which is the only well that has produced with water-cut greater than one percent. Because pressure in the reservoir has not dropped below the fluid saturation pressure of 165.7 bars (from the initial reservoir pressure of 335.3 bars at datum), the model calculated GOR (Gas-Oil Ratio) for all wells during the history period was equal to the fluid Rs of 87.65 m 3 /m 3 . For the matching of reservoir water production and pressures, only minor adjustments to the initial permeability distribution were required. No adjustment to the relative permeability relationships or other reservoir data was required.
In the initial history matching attempt, using 90 mD as the horizontal permeability value for the best quality seismic facies, greater reservoir-base pressure depletion resulted than was observed in the field. It became apparent that some additional fine tuning of the horizontal permeability characterizations were necessary towards the completion of the history matching to achieve the final results seen on the history match plots.
Well test data gave important contribution to reservoir characterization at this stage. The data of 30 pressure tests from 8 wells were reviewed and worked out to be integrated in the reservoir model. Well test permeabilities range between 10 and 150 mD, and these data are very consistent with permeability measurements from cores. The incorporation of the well test information suggesting an increase of the horizontal permeability for the best quality seismic facies from 90 mD to 120 mD allowed a match at the oil production level.
During subsequent history matching attempts, it became necessary to reduce the vertical transmissibility between layers 1/2, 3/4, 4/5 and 5/6, whereas between layers 2/3 the vertical transmissibility remained unchanged from the initial values. This was done to introduce the effects of flow barriers B, C, D and E and allowed a very good pressure match at each flow simulation layer.
A set of history match plots for the total reservoir appears on Figs. 6 and 7. The first plot shows the average pressure match achieved during the history matching. The second plot shows the average monthly oil production, GOR, and watercut.
Water-cut has been minimal during the history period, generally less than one percent of total liquid production, occurring mainly from well V4. As can be seen on Fig. 7 , the increasing water-cut trend is matched quite well. This was accomplished when a communication between layers 3 and 4 was allowed (vertical transmissibility multiplier increased to 1) around well V4. This modification is in agreement with a geological interpretation based on the high resolution stratigraphy performed for the reservoir that considers lack of continuity of D bed around well V4.
The reservoir model matches field history very well, even on an individual well basis. The quality of this match is attributed to the thorough geologic effort that was undergone prior to model construction and to the preservation of key geologic features in the scaled up reservoir simulation model. With only a limited amount of modification, the model yields an excellent match to field pressure (Fig. 6) , oil, gas, and water production (Fig. 7) . Individual wells also exhibit a good quality of match between model and field data. The match is quite good considering that no severe and extensive modification of reservoir description was done to achieve this match.
Performance Forecasting
Based on the quality of the history match, especially on an individual well basis, the full field model has been accepted as a key component of the reservoir management toolbox. Many performance forecasts of reservoir production and pressure behavior were made. These forecasts were designed to aid future reservoir management and planning by determining possible development schemes that would result in the highest ultimate oil recoveries from the reservoir.
In addition to conventional uses, such as long term field performance forecasts and facility expansion evaluations, the fluid flow model has been used to evaluate development and infill drilling programs, to identify completion strategies for infill wells, and to evaluate various reservoir management strategies. The more novel application includes the use of the fluid flow model for waterflood management evaluation.
Extrapolations investigated the adequacy of the implementation of a waterflood project taking as variables two different type of well: horizontal or hydraulic fractured, the number and locations of these development wells to be drilled. These investigated exploitation schemes lead to oil recovery increments up to 15% relatively to the base case. The results demonstrated that nine horizontal wells for production and six vertical wells for injection give the highest oil recovery factor.
Conclusions
Namorado Sandstone of Albacora Field is a geologically complex reservoir. Application of a multiscale approach for reservoir description coupled with a stochastic modeling that incorporates all available well and seismic data resulted in a geologic model that captured the required level of complexity for the flow simulation model. The preservation of key geologic elements in the scale up process from the smallest scale to the largest scale was crucial to take into account key features that govern reservoir fluid flow.
The value of a detailed evaluation prior to reservoir model construction has been demonstrated by the excellent match between field and model performance.
The robust full field reservoir model built has been a valuable component of the reservoir toolbox for use in analyzing a wide range of well, facility, and reservoir management problems. However, continually closing the feedback loop between reservoir surveillance and reservoir prediction, as additional data become available is crucial if the tool is to continue to add value. 
